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The world has relied on the use of oil as its main source of energy for decades, whether it 
is to fuel the vehicles or to heat homes or to power industries; with the continuous increase in the 
global demand of oil, it is essential to work on maximizing oil production capabilities. Enhanced 
Oil Recovery (EOR) technologies are employed to improve sweep efficiency in oil reservoirs and 
increase oil recovery. Polymer flooding is an EOR technique that aims to increase the viscosity of 
water being injected to lower its mobility and displace more oil towards the production wells.  
The purpose of this research is to investigate the effectiveness of polymer flooding in oil 
displacement, compared to water flooding and to examine the impact of reservoir characteristics 
on sweep efficiency, including reservoir porosity and reservoir permeability. An open source 
reservoir simulator has been used to model polymer flooding to evaluate its effect on oil recovery 
and compare it to pure water flooding, as well as investigate the effect of some reservoir 
characteristics such as porosity and permeability on oil recovery. Results will include changes in 
reduced oil saturation, reduced water saturation, and pressure for each injection process.  
Conclusions deduced from the results obtained demonstrate more efficient oil recovery 
using polymer flooding when compared to pure water flooding. Polymer flooding may take longer 
time to flow due to being more viscous; however, eventually, it achieves more oil displacement 
towards the production wells. As for the reservoir characteristics, the higher porosity showed 
slower changes in oil saturation, water saturation and pressure, since it is initially storing more 
fluid as compared to the smaller pores, which are faster to drain out. The higher permeability 





more oil was getting displaced easily and fast. Polymer flooding demonstrated the same change in 
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𝜆𝑝ℎ𝑎𝑠𝑒  Mobility of phase  
𝜇𝑝ℎ𝑎𝑠𝑒  Viscosity of phase 
𝑘 Absolute permeability 
𝑘𝑟 Relative permeability 
kphase Effective permeability of phase 
M Mobility ratio 
o Oil  
w Water  
𝑓𝑤  Fractional flow of water 
qphase or Q Volumetric flow rate/ Discharge rate 
A Cross sectional area 
dp Pressure gradient 
dx Length  
z Height  
g Gravitational acceleration 
ρ Density  
h Hydraulic head 
∅ Porosity  
q Fluid source or sink 
ct Total compressibility 
𝑣 Darcy flux 
𝑃𝑐𝑜𝑤  
Capillary pressure between oil and water 
phases 
pp Pressure of phase p 
Sp Saturation of phase p 
𝜏  Shear stress 
𝛾 Shear rate 







TABLE OF CONTENTS 
Page 
ABSTRACT .............................................................................................................................. ii 
ACKNOWLEDGEMENTS....................................................................................................... iv 
CONTRIBUTORS AND FUNDING SOURCES ........................................................................v 
NOMENCLATURE .................................................................................................................. vi 
LIST OF FIGURES .................................................................................................................. ix 
1. INTRODUCTION ...............................................................................................................1 
2. LITERATURE REVIEW ....................................................................................................3 
2.1 Polymer Flooding ..............................................................................................................3 
2.1.1 Mobility ......................................................................................................................3 
2.1.2 Types of Polymers ......................................................................................................5 
2.1.3 Polymer Rheology ......................................................................................................7 
2.1.4 Affecting Factors ........................................................................................................8 
2.1.5 Polymer Flooding Applications ...................................................................................9 
2.2 Reservoir Geology ........................................................................................................... 12 
2.2.1 Reservoir Heterogeneity ........................................................................................... 12 
2.2.2 Reservoir Wettability ................................................................................................ 12 
2.2.3 Capillary Pressure ..................................................................................................... 13 
2.2.4 Relative Permeability ................................................................................................ 13 
2.2.5 Saturation ................................................................................................................. 15 
2.3 Relevant Equations .......................................................................................................... 15 
2.3.1 Darcy’s Law ............................................................................................................. 15 
2.3.2 Single phase flow...................................................................................................... 17 
2.3.3 Multiphase flow ........................................................................................................ 18 
3. METHODOLOGY ............................................................................................................ 19 
3.1 Reservoir Simulator ......................................................................................................... 19 
3.2 Reservoir Simulation Software ........................................................................................ 19 
4. SIMULATION RESULTS AND DISCUSSION ............................................................... 21 
4.1 One-Dimensional Homogeneous Simulation (Polymer Flooding Vs. Water Flooding) ..... 21 
4.1.1 Reduced Oil Saturation Results ................................................................................. 22 
4.1.2 Reduced Water Saturation Results ............................................................................ 23 
4.1.3 Pressure Change Results ........................................................................................... 24 
4.2 Two-Dimensional Homogeneous Simulation (Polymer Flooding Vs. Water Flooding) .... 26 





4.2.2 Reduced Water Saturation Results ............................................................................ 30 
4.2.3 Pressure Change Results ........................................................................................... 33 
4.3 Three-Dimensional Homogeneous Simulation (Polymer Flooding Vs. Water Flooding) .. 36 
4.3.1 Production Plot For Polymer Flooding vs Water Flooding ........................................ 36 
4.3.2 Injection Results over Time ...................................................................................... 37 
4.4 Black Oil Polymer Simulation (With Vs. Without Shear Effect) ...................................... 38 
4.4.1 Injection Well Results ............................................................................................... 40 
4.4.2 Production Well Results............................................................................................ 42 
4.5 Effect Of Reservoir Characteristics On Sweep Efficiency ................................................ 44 
4.5.1 Effect of Reservoir Porosity ...................................................................................... 44 
4.5.2 Effect of Reservoir Permeability ............................................................................... 51 
5. CONCLUSION ................................................................................................................. 59 
5.1 Recommendations for future work ................................................................................... 60 







LIST OF FIGURES 
Page 
Figure 1: Water flooding (left) vs Polymer flooding (right) (Adapted from: Zerkalov, 2015) .......5 
Figure 2: HPAM structure (left), Xanthan Gum structure (right) (Adapted from: Firozjaii et al, 
2019) .........................................................................................................................6 
Figure 3: Log-log plot of viscosity vs. shear rate of shear thinning fluid (Adapted from: Firozjaii 
et al, 2019) .................................................................................................................8 
Figure 4: Recent polymer flooding projects (Adapted from: Seright, 2016) ............................... 11 
Figure 5: Relative permeability curve for a water-wet reservoir (Adapted from: PERM, 2020) .. 14 
Figure 6: Illustration of Darcy's experiment (Adapted from: Lie, 2019) ..................................... 16 
Figure 7: Reservoir Simulation for a one-dimensional reservoir of 100m length, 1m width, 1m 
height. W1 is injection well, W2 is production well ................................................. 22 
Figure 8: Reduced oil saturation results ..................................................................................... 23 
Figure 9: Reduced water saturation results ................................................................................ 24 
Figure 10: Pressure change results ............................................................................................. 26 
Figure 11: Reduced oil saturation results vs. time in cell [30,30] ............................................... 28 
Figure 12: Reduced oil saturation results across the reservoir for each viscosity ........................ 29 
Figure 13: Reduced water saturation vs time in cell [30, 30] ...................................................... 31 
Figure 14: Reduced water saturation results across the reservoir for each viscosity .................... 32 
Figure 15: Pressure change results vs. Time in cell [30,30] ........................................................ 34 
Figure 16: Pressure change results across the reservoir for each viscosity .................................. 35 
Figure 17: Water and Oil Production for Water flooding and Polymer flooding (From MRST) . 36 





Figure 19: Water injection rate with and without shear effect (From MRST) ............................. 40 
Figure 20: Bottom hole pressure in injection well with and without shear effect (From MRST) . 41 
Figure 21: Water production rate with and without shear effect (From MRST) .......................... 42 
Figure 22: Oil production rate with and without shear effect (From MRST) .............................. 43 
Figure 23: Reduced oil saturation results in cell [30,30] for water flooding (left) and polymer 
flooding (right) for each porosity ............................................................................. 45 
Figure 24: Reduced oil saturation results over distance for each porosity for water flood (left) 
and polymer flood (right) ......................................................................................... 46 
Figure 25: Reduced water saturation results in cell [30,30] for water flooding (left) and polymer 
flooding (right) for each porosity ............................................................................. 47 
Figure 26: Reduced water saturation results over distance for each porosity for water flood (left) 
and polymer flood (right) ......................................................................................... 48 
Figure 27: Pressure change results in cell [30,30] for water flooding (left) and polymer flooding 
(right) for each porosity ........................................................................................... 49 
Figure 28: Pressure change results over distance for each porosity for water flood (left) and 
polymer flood (right) ............................................................................................... 50 
Figure 29: Reduced oil saturation results in cell [30,30] for water flooding (left) and polymer 
flooding (right) for each permeability ...................................................................... 52 
Figure 30: Reduced oil saturation results over distance for each permeability for water flood 
(left) and polymer flood (right) ................................................................................ 53 
Figure 31: Reduced water saturation results in cell [30, 30] for water flooding (left) and polymer 
flooding (right) for each permeability ...................................................................... 54 
Figure 32: Reduced water saturation results over distance for each permeability for water flood 
(left) and polymer flood (right) ................................................................................ 55 
Figure 33: Pressure Change results in cell [30,30] for water flooding (left) and polymer flooding 





Figure 34: Pressure Change results over distance for each permeability for water flood (left) and 










Since the 1950s, oil has started to globally dominate as a significant source of energy. It can 
be used to provide fuel for vehicles and planes, heat homes, supply power in industries, and 
manufacture chemical products like plastic (UKOG, 2020). In 2017, 28% of energy production in 
the United States was from crude oil and natural gas plant liquids (American Geosciences Institute, 
2020). It is predicted that by 2030, 70% of the United Kingdom’s supply of energy will still come 
from oil and gas (UKOG, 2020).  
An oil field has an average lifespan of 15 to 30 years (Total Foundation, 2015). However, 
during that period, many factors can play a role in reducing oil production, such as a government’s 
economic instability, which will affect the oil prices, or an unforeseen outbreak such as the current 
ongoing pandemic of COVID19, which is affecting the oil demand and consumption. Therefore, 
it is essential to work on recovering as much oil as possible before the oil field’s lifespan ends. 
Primary recovery methods leave behind 85% to 95% of oil, while secondary recovery methods 
leave behind 50% to 80% of oil. Therefore improved oil recovery methods should be utilized to 
increase oil production (Envirofluid, 2014). The demand for oil continuously increases; it is 
predicted that there will be an increase in the global oil demand by 5.7 million barrels per day 
during the 2019 to 2025 period (IEA, 2020). According to IEA, in 2023 the oil demand will become 
104.7 million barrels per day, an increase of 6.9 million barrels per day from 2018 (IEA, 2018). In 
2018, the oil production to the consumption ratio in the world was 0.96, meaning the world 
consumes more than they produce (ENI, 2019).  
There are three oil recovery techniques: primary recovery, secondary recovery and tertiary 






pressure gradient provides energy to move the fluids to the surface until the pressure starts to 
decline because of production. Secondary recovery is implemented when production slows down 
in primary recovery; this recovery augments the natural energy in the reservoir through injecting 
water or natural gas to help increase the pressure and displace the oil to the production wells 
(Zendehboudi et al., 2017). Water flooding is a common method for being inexpensive and 
abundant; its density is greater than that of oil. Hence it pushes the oil towards the production well. 
Tertiary recovery is used to further enhance oil production; it can vary from steam flooding, 
polymer flooding to CO2 flooding (Zendehboudi et al., 2017). 
For decades, Enhanced Oil Recovery (EOR) technologies have been optimized and applied in 
the field with the aim to increase recovery and improve sweep efficiency in oil reservoirs.  
Chemical injection is one of the main types of EOR, where a polymer augmented water gets 
introduced into a reservoir to increase the efficiency of water flooding. Field practices have shown 
polymer flooding increases recovery of 5 to 30% of original oil in place, OOIP (Abidin et al., 
2012).  
The objective of this research is to investigate the effectiveness of the use of polymer injection 
to enhance oil recovery compared to water flooding and to examine the impact of reservoir 
characteristics on sweep efficiency. An open source reservoir simulator developed by SINTEF will 
allow the modeling of polymer flooding versus water flooding into an oil reservoir to analyze 
phases’ saturation and pressure change results to investigate if it improves the oil recovery. It will 
also allow the investigation of the effect of the reservoir characteristics, including the influence of 







2. LITERATURE REVIEW 
2.1 Polymer Flooding 
The use of polymer in oil recovery first began in the 1960s in the United States; however, due 
to technical failure because of some loophole in the program used, the use of polymer flooding 
was decreased. In the 1980s, polymer EOR regained interest in China. Between the years 1987 
and 1992, pilot tests on polymer injection were done in cooperation with IFP and Floerger 
Company, with the aim to increase oil recovery. Positive results were achieved, leading to 
extending this technique to the whole Daqing oilfield in China (Corlay et al., 1995). In 2004, it 
was widely used commercially. Incremental oil recovery from polymer injections leads to about 
an extra 10% of oil originally in place (OOIP). In the 1990s, the Courtenay oil field in France 
recorded extra oil recoveries from 5 to 30% after the use of polymer augmented water flooding 
(Thomas, 2016). 
The higher viscosity of polymer flooding compared to water flooding increases the sweep 
efficiency and lowers the surface tension that inhibits oil flow in the reservoir. It gives better 
control of mobility between the hydrocarbons and injected water (Thomas, 2016). When a more 
viscous fluid than oil is injected, it will have lower mobility than that of the oil, resulting in oil 
displacement. 
2.1.1 Mobility 
The concept of mobility ratio, M, is linked to how polymers improve oil recovery (Standnes 
et al., 2014). Mobility ratio is the mobility of the displacing phase (water) to the mobility of the 
displaced phase (oil), as shown in Equation 1, where o and w refer to the phases oil and water, 






the phase viscosity, 𝜇𝑝ℎ𝑎𝑠𝑒 . Viscosity indicates the fluid’s resistance to flow, as it increases when 










 Equation 1 
With the increased viscosity due to polymer flooding, the oil production rate is accelerated 
in flooded zones. Macroscopic sweep efficiency can also be improved as water mobility gets 
reduced due to adsorption in polymer flooded zones, which reduces viscous fingering as oil will 
flow more than water (Standnes et al., 2014). The effect of mobility ratio is shown through the 
principle of the Buckley-Leverett equation shown in Equation 2, where 𝑓𝑤  is the fractional flow of 
water, 𝑞𝑤 is the volumetric flow rate of water and 𝑘 is absolute permeability. 𝐴 is the cross 




























 Equation 2 
If M is higher than 1, it is undesirable as water has higher mobility than oil and may result in an 
early water-breakthrough. If M is less than 1, it is favorable as oil has higher mobility and is 
produced faster than water as water acts in a piston-like manner to displace oil (Standes et al, 
2014). For a two-dimensional heterogeneous reservoir, a suitable M value would be around 0.1 to 



















Water density is higher than oil density, which makes water flooding effective in displacing oil; 
however, as shown in Figure 1, the water flooding case showed an early breakthrough of water as 
it cuts through the oil and bypasses sections of the reservoir leaving behind more oil in place. The 
mobility ratio in this case is unfavorable as it is larger than 1 and promotes the fingering effect 
seen. The polymer flooding case shows a favorable mobility ratio. With a higher viscosity, the 
polymer injection improves the sweep efficiency and displaces more oil towards the production 
well. 
2.1.2 Types of Polymers  
Two main types of polymers are utilized in the process of polymer flooding, a synthetic 
polymer and a biopolymer, to increase the injected fluid’s viscosity which influences mobility to 
improve oil recovery. The most commonly used synthetic polymer is the hydrolyzed 
polyacrylamide (HPAM) and the most popular biopolymer is Xanthan Gum, which is produced by 
the fermentation of the bacterium Xanthomas (Firozjaii et al, 2019). Their structures are as shown 






in Figure 2. HPAM is more widely used for its low cost, good viscosity-enhancing performance 







Other types of polymer flooding include the use of alkali-surfactant polymers and 
surfactant polymers, which are used to recover residual oil and reduce the interfacial tension 
between oil and water (Thomas, 2016). Surfactants can generate emulsions, while alkali can 
generate soaps when it reacts with the crude oil, which can adsorb at the oil-water interface. Alkali 
can also adjust salinity (SNF, 2012). 
Some polymers are being designed to overcome the limitations of the conventionally used 
polymers, HPAM and Xanthan, discussed in section 2.1.4. Thermoviscosifying polymers (TVPs) 
have reported increasing viscosity and elastic modulus with increased temperature (Wang et al., 
2012). They represent a potential alternative to HPAM to be used in high temperature and high 
salinity reservoirs, however they are of low molecular weight which needs to be increased. A 
biopolymer that is being investigated as a potential alternative is Schizophyllan, which showed a 






stable viscosity at a salinity of 220 g/L and a temperature of 135°C, however its production is 
uneconomical in many cases (Firozjaii et al., 2019). 
2.1.3 Polymer Rheology  
The rheology of a fluid describes its flow behavior. The addition of polymer to water to 
form a polymer solution changes the viscosity, which is considered an important rheological 
property of the polymer solution. The polymer solution is considered a non-Newtonian fluid, hence 
its viscosity depends on shear stress and shear rate, as shown in Equation 3, where 𝜏 is shear stress, 






 Most polymer solutions exhibit shear thinning, meaning that its viscosity decreases as the shear 
rate increases. It can act as a Newtonian fluid when the shear rate is lower or higher than a certain 
point as shown in Figure 3 below. Specifically HPAM polymer solutions exhibit Newtonian 
behavior for flux values of 0.01 to 0.2 ft/day in vertical injector and 0.2 ft/day in horizontal well 





















Besides the effect of shear rate on the viscosity of the polymer solution, the polymer 
concentration can also have an effect. A high concentration of polymer can cause high pressure 
during injection. Therefore it is better to use a polymer of high molecular weight to achieve higher 
viscosity for a lower polymer concentration. The size of the polymer molecule should be 
considered to fit into the pore space. 
2.1.4 Affecting Factors  
Several factors can affect the rheology behavior of a polymer solution, such as temperature, 
microbial activity, shear rates and salinity. HPAM hydrolyzes at high temperature and high 
salinity, which decreases its viscosity and affect its efficiency. The maximum temperature HPAM 
can withstand can be up to 120°C (Seright et al., 2010). As the molecular weight of the HPAM 
increases, its viscosity increases if the other factors are constant; however, the easier it can degrade 
from the high shear rates near the well area (Sorbie, 1991). At low concentration, high molecular 
HPAM is required for a higher viscosity (Nasr El-Din et al., 1995). The molecular weight of 
HPAM can vary up to 30 million Daltons (Abidin et al., 2012). 
The biopolymer Xanthan Gum is more expensive and can also degrade at high temperature 
and high salinity, however, it is more stable than HPAM (Firozjaii et al, 2019). Xanthan is stable 
Figure 3: Log-log plot of viscosity vs. shear rate of shear thinning fluid (Adapted 






for temperatures below 90°C. Salinity can deform the polymer shape from inflated to spherical 
(Sorbie, 1991).  
SNF Floerger is an infamous company that manufactures polyacrylamide-based polymers to 
be used in enhanced oil recovery among other applications. According to SNF there are some 
preferred conditions for some of the reservoir properties such as a permeability range between 50 
mD to 10 D, temperature up to 120°C and the lithology to be preferably sandstone. The oil 
viscosity can range from 10 to 10,000 cP, the oil saturation to be higher than 20% and the oil 
gravity to be higher than 15° API. The salinity is preferred to be lower than 250,000 TDS (SNF, 
2012). 
As mentioned by Abidin et al. (2012), since there is less water production and more oil 
production in polymer flooding, water flooding costs more. The efficiency of the process is 
estimated to be in the range of 0.7 to 1.75 lb of polymer per bbl of incremental oil production 
(Abidin et al., 2012). According to Seright (2010), oil prices are in the range of $70 per bbl and 
the HPAM polymer prices are in the range of $0.9 to $2 per lb. 
2.1.5 Polymer Flooding Applications 
Standnes et al. (2014) compiled data taken from polymer flooding projects carried out over 
the last 50 years, where 40 projects were considered a success. The data based on the successful 
projects included polymer efficiency range of 0.02 to 12.5 Sm3 per kg polymer injected, an average 
permeability of 563 mD, and a polymer concentration of 770 ppm. The data also included a 
resistance factor (RF) range of 5 to 12 and a residual resistance factor (RRF) range of 1 to 8. RF 
is the ratio between aqueous phase mobility without polymer to aqueous phase mobility with the 
polymer. RRF is the aqueous phase mobility before polymer injection to aqueous phase mobility 






𝜇𝑔/g and a well spacing range of 15 to 450 m (most were above 400 m). The temperature average 
was between 24 to 85°C, and the average oil viscosity was 44 cP. 
According to Seright’s (2016) research on polymer flooding viscosities and past industrial 
bank sizes, as shown in Figure 4, some EOR projects in Canada inject 30 cP polymer solutions to 
displace 1000 to 3000 cP oil, while in China’s Daqing oilfield they inject 150 to 300 cP polymer 
solution to displace 10 cP oil. Many reasoning can be deduced to why different reservoirs have 
different polymer injection characteristics, such as economic limitations, different mobility ratios 
or limitation on the viscosity allowed to be injected (Seright, 2016). 
China’s Daqing oilfield is a heterogeneous sandstone reservoir with a depth of 1000m and 
temperature of 45°C. Oil viscosity is 9 cP and formation water total salinity ranges from 3000 to 
7000 mg/L (Wang et al., 2008). Wang et al. (2011) reported that in Daqing over 5600 wells were 
injected with 150 to 300 cP HPAM solution (with molecular weight of 20 to 35 million g/mol) to 
displace 9 cP oil from 500 to 800 md rock, which was about 20% original oil in place (OOIP). 
Daqing oil field showed approximately 12% incremental oil recovery (Thomas, 2016). Concluding 
from 12 years of experience at Daqing oil field, the preferable polymer molecular weights varies 
from 12 to 38 million Daltons, a value around 0.7 PV for the polymer injection volume and a 
polymer concentration around 1000 mg/L (Wang et al., 2008). For a 250m well spacing, the 
optimum polymer injection rate ranges between 0.14 to 0.16 PV per year (Wang et al., 2008). 
According to Standnes et al. (2014), collective findings on preferred characteristics for successful 
oil recovery, the polymer injected viscosity is 28 cP.  
Oman’s Marmul oil field is a heterogeneous sandstone reservoir with a temperature of 46°C 
and the oil is 22 API with a viscosity of 90 cP. The formation water total salinity is around 3000 






ppm concentration (Alsaadi, 2012). Marmul’s oil field showed about 10% incremental oil recovery 
(Thomas, 2016). Angola’s Dalia oil field is a sandstone reservoir with permeability higher than 
1D, temperature of 50°C and 21 to 23 API oil with viscosity varying between 3 to 7 cP (Morel, 
2008). In Dalia, a polymer concentration of around 900 ppm is injected at a rate of 5 t/d of polymer 
and was stopped after injecting 7 million bbl (Carpenter, 2016). Dalia’s oil field showed about 3 
to 7% incremental oil recovery (Morel, 2008). According to Seright (2010), previous polymer 
floods used polymer concentrations of 1000 or less ppm to displace oil that had viscosities less 













2.2 Reservoir Geology 
An oil reservoir is a porous rock that contains crude oil trapped within. Sedimentary rocks, 
such as carbonates and sandstones are among the most common type of oil reservoirs. 
2.2.1 Reservoir Heterogeneity 
Reservoir heterogeneity is the variations in the rock properties due to its formation process 
including sedimentation, diagenesis and erosion. These variations can also affect the reservoir 
permeability (Schlumberger, 2020).   
Reservoir heterogeneity can affect the behavior of fluid flow, thus can affect the reservoir 
producibility (Corvi et al., 1992). It is important to consider the heterogeneities of a reservoir to 
obtain realistic production predictions (Guérillot et al., 1990). Heterogeneity can be classified 
according to scale. The smallest scale is microscopic heterogeneity which considers grain-scale 
features such as the porosity, permeability and the grain-size distribution (Harraz, 2019). The 
heavy crude oil recovered from reservoirs is often referred to as black oil. 
2.2.2 Reservoir Wettability 
A significant characteristic that can influence the reservoir performance during oil recovery 
techniques is the reservoir wettability. According to Schlumberger (2017), wettability is the solid’s 
preference to be in contact with one fluid rather than another. An oil-wet reservoir prefers to be in 
contact with oil and a water-wet reservoir prefers contact with water.  
The residual oil saturation, Sor, measured after waterflooding demonstrates the effect of 
wettability on the amount of oil produced at the pore level. The fluid that occupies the outside of 
the pores and is in contact with the rock surface is the wetting fluid. A water-wet reservoir has 






in an oil-wet reservoir, oil is in contact with the surface and water is in the center of the pore. Oil 
recovery is higher in water-wet reservoirs because it is easier for the fluid in the center of the pore 
to flow than the fluid outside the pore as it is held by surface tension. In mixed-wet reservoirs, 
smaller pores are water-wet filled with water and large pores are oil-wet filled with oil 
(Schlumberger, 2017).  
2.2.3 Capillary Pressure 
Capillary pressure can be written as the pressure difference between the two phases, where 
the wetting fluid pressure is subtracted from the non-wetting fluid pressure. For instance, for a 
water-wet reservoir, the capillary pressure is as shown in Equation 4. In water-wet reservoirs, oil 
gets displaced by water through an imbibition process (Dake, 1978). As the pressure difference 
increases between the resident water and buoyant oil, water saturation will be reduced as the oil 
will increasingly be able to enter narrow paths.  
𝑃𝑐𝑜𝑤 (𝑆𝑤) = 𝑃𝑜 − 𝑃𝑤 Equation 4 
Capillary pressure can influence the movement and direction of the liquids, thus plays a 
role in the fluid distribution in the reservoir.  
 
2.2.4 Relative Permeability 
Permeability describes the ability of the reservoir to permit the flow of a fluid. According 
to Darcy’s Law, as demonstrated in Equation 6, permeability depends on factors including volume 
of fluid flow per time, cross sectional area, pressure gradient, length of the rock sample, and the 
fluid viscosity. The connecting passageways between pores can affect permeability and flow rate, 






permeability, k, measures the ability to flow fluids when a single fluid exists in the rock. Effective 
permeability is measured when two fluids, such as water and oil are flowing through the rock, it 
measures the ability to preferably transmit a fluid while another is present. The effective 
permeability of oil is written as ko. Relative permeability, kr(phase), is the ratio of effective 
permeability of a specific phase at a specific saturation to that phase’s absolute permeability at 




























Figure 5 demonstrates a standard curve that plots the relative permeability of two fluids as a 
function of water saturation. In a typical relative permeability curve, at low water saturation, only 
oil will flow. Swc is the connate water saturation, which is the amount of water that adsorbs onto 
the rock surface divided by pore volume. As water saturation increases, the relative permeability 
of oil decreases until a certain point is reached where both oil and water flow. The oil flow 
decreases as water flow and water saturation increases. At some point of water saturation, when 
critical oil saturation, Soc, is reached oil stops to flow and only water continues to flow within the 
reservoir and water saturation continues to increase. 
2.2.5 Saturation 
Saturation is the fraction of the pore volume occupied by phase, so for instance water 
saturation is the relative amount of water in the rock pores as a percentage of volume 
(Schlumberger, 2020). In multiphase, the void space can be filled with more than one fluid, such 
as oleic, aqueous or gaseous phases, as long as the sum of all saturations equal 1. For two phases 
of oil and water, their saturation sum is as shown in Equation 5. 
𝑆𝑤 + 𝑆𝑜 = 1 Equation 5 
 
2.3 Relevant Equations 
2.3.1 Darcy’s Law 
The French hydraulic engineer, Henry Darcy, designed an experiment to define an equation 






of a vertical tank filled with sand, with water being injected at the top and flowing out of the bottom 














From the experiments Darcy established a relationship between the discharge rate Q [m3/s], 
the cross sectional area A [m2], the difference in hydraulic head (ht-hb) [m] which is height of the 







 Equation 6 
The Darcy flux is 𝑣 [m/s] and the hydraulic conductivity is  𝑘 =
𝜌𝑔𝐾
𝜇
 , where g [m/s2] is 
gravitational acceleration, μ [kg/ms] is dynamic viscosity, and K [m2] is the absolute permeability 
of porous medium. The hydraulic head, ℎ = 𝑧 −
𝑝
𝜌𝑔
 relates z the height [m], p the pressure [Pa], 𝜌 
the density [kg/m3] and g [m/s2] the gravitational acceleration. 






2.3.2 Single phase flow 
Darcy’s law for single phase fluids is as shown in Equation 7. It was derived from Navier-
Stokes equation then modified by Hubbert who averaged it and neglected viscous and inertial 
effects and lastly modified by Whitaker. P is the pressure of the fluid and z refers to the vertical 




(∇𝑝 − 𝑔𝜌∇𝑧) Equation 7 
On a macroscopic scale, single-phase flow can be modeled by making a continuum 
assumption. By applying the law of mass conservation stating that mass accumulating inside the 
volume equal the net flux over the boundaries, a continuity equation that demonstrates the 
macroscopic behavior of single-phase fluid can be shown in Equation 8. ∅ refers to rock porosity, 
𝑣 is Darcy macroscopic velocity, 𝜌 is density and 𝑞 is fluid source or sink (fluid outflow/inflow 
per volume) (Lie, 2019). 
𝜕(∅𝜌)
𝜕𝑡
+ ∇. (𝜌𝑣) = 𝜌𝑞 Equation 8 
In the case of compressible flow, the fluid and rock compressibilities will be taken into account 








∇(𝑝 − 𝑔𝜌𝑧)] = 𝜌𝑞 Equation 9 
Where ct is the total compressibility of the rock and fluid compressibilities, 𝜌 and ct depend on 







∅(𝑝) = ∅𝑜 + 𝑐𝑡(𝑝 − 𝑝𝑟𝑒𝑓). Equation 10 
In the case of incompressible flow, total compressibility will equal zero, and both density and 




∇(𝑝 − 𝑔𝜌𝑧)] = 𝑞 Equation 11 
2.3.3 Multiphase flow 
For multiphase flow, in this research case we account for two phases water and oil. The 
continuity equation for each phase can be written as shown in Equation 12. 
𝜕(∅𝑃𝑤𝑆𝑤)
𝜕𝑡
+ ∇𝜌𝑤𝑞𝑤 = 𝜌𝑤𝑞𝑤 
𝜕(∅𝑃𝑜𝑆𝑜)
𝜕𝑡





 is defined as the accumulation term, while ∇𝜌𝑤𝑞𝑤 is the transport term. The 
term 𝑆 refers to saturation, w refers to water and o refers to oil. The terms porosity ∅ and 
permeability depend on rock properties, while density𝜌, pressure 𝑃 and viscosity depend on the 
phase.  
 The application of Darcy’s Law on the two phases can be as shown in Equation 13, where 


















3.1 Reservoir Simulator 
Reservoir simulators can be used to model reservoirs to predict the performance of the 
fluids over time and evaluate the reservoir production under potential scenarios, such as 
injecting various fluids. The reservoir modelled includes petro-physical characteristics that can 
be adjusted to understand the behavior of the fluids in the reservoir under specific conditions 
(Firozjaii et al., 2019).  
The simulator needs to be calibrated, also known as history matched, where a historical 
pressure and production data from real reservoirs are used as the modelling parameters. This 
will allow the simulation to compare realistic models and examine the performance of the oil 
recovery methods being investigated to reach accurate conclusions. Some of the parameters 
that can be adjusted to control polymer flooding include polymer concentration, viscosity, 
reservoir porosity, salinity and reservoir permeability (Firozjaii et al., 2019).  
3.2 Reservoir Simulation Software 
SINTEF Technology and Society, a Norwegian independent research organization, 
developed the Matlab Reservoir Simulation Toolbox, MRST. This program can be used to 
simulate and model reservoirs. MRST contains modules that provide tutorials on different 
topics including enhanced oil recovery. It allows the user to use various computational methods 
and vary any parameters (Lie, 2019). 
The module called ‘ad-eor’ is utilized to simulate water flooding and polymer injection in 






the reservoir that needs to be simulated, modifications can be done to the size of the reservoir, 
rock properties, density, viscosity, Corey correlation of relative permeability, pressure at the 
wells and more. Computational methods can be used to calculate saturations, pressures and the 
time it takes for the simulation to take place.  
MRST will be the tool used in this research to evaluate the behavior of the fluids over time 
for water flooding and polymer flooding. Parameters will be adjusted to match ones from 
industrial applications. Other parameters will also need to be changed to entertain any 
limitations needed specifically for a polymer such as HPAM to be used. The effect of some of 
the reservoir characteristics will be tested, such as the porosity and permeability. To measure 
how those parameters, affect the oil production, saturations of oil and water, pressure 
difference along the reservoir will be measured.  
The effect of shear effect on the sweep efficiency in polymer flooding will also be 
evaluated using the module of ‘blackoilpolymer’. This module will allow for different phases 
to flow without mixing; hence it will test the condition of a heterogeneous reservoir. For this 
project, two phase flow is considered, where water (or polymer) and oil will flow at the same 








4. SIMULATION RESULTS AND DISCUSSION 
4.1 One-Dimensional Homogeneous Simulation (Polymer Flooding Vs. Water Flooding)  
For this simulation, a one-dimensional Cartesian grid of 100 m in length and 1 m width 
and 1 m height was modelled. The oil viscosity is 2 cP and its density is 0.9 kg/L. The power 
used in the Corey correlation of the relative permeability is 2. The rock porosity is 20% and 
permeability is 100 mD.  
The aim for this model is to compare the water injection with the polymer injection in a 
simulation that mimics a sandstone reservoir at 50°C. The primary purpose of adding polymer 
to water to carry out polymer flooding is to increase the viscosity of the water flood. For this 
simulation, an assumption is made that the polymer solution rheology was Newtonian, so for 
polymer injection a thicker viscosity than the water’s is used. Water injection has a viscosity 
of 1 cP. For the polymer injection, viscosities of 7 cP, 16 cP and 28 cP are tested.   
The concept of reduced saturation is used in this simulation, so water and oil saturations 












4.1.1 Reduced Oil Saturation Results 
As demonstrated in the plot in Figure 8, the reduced oil saturation is 0 at the injection well 
eventually reaching saturation of 1 at the production well. For the water injection with a 
viscosity of 1 cP, the reduced oil saturation reached 0.5 around 40m into the reservoir. As the 
viscosity is increased to represent polymer injection, the oil saturation reaches total saturation 
at a shorter distance into the reservoir, the 28 cP injected fluid reached total saturation of 1 
before reaching 20m into the reservoir. The reduced oil saturation had a greater increase earlier 
into the reservoir for the higher viscosity fluids as more oil was getting displaced by a more 











































4.1.2 Reduced Water Saturation Results 
The plot in Figure 9 shows how the reduced water saturation starts at saturation of 1 at the 
injection well and eventually reached a saturation of 0 before even reaching the production 
well at 100m. For the water injection with a viscosity of 1 cP, the reduced water saturation 
reached 0.5 around 45m into the reservoir. As the viscosity is increased, the reduced water 
saturation reaches 0 at a shorter distance into the reservoir; the injected fluid with viscosity of 
28 cP reached saturation of 0 at around 17m into the reservoir. The water is getting used up 






more at a shorter distance into the reservoir for the higher viscosity fluids as it is displacing 




































4.1.3 Pressure Change Results 
The plot in Figure 10 shows how the pressure decreases along the reservoir from a starting 
pressure of 105 Pa at the injection well to 0 Pa at the production well at 100m. For the water 






injection with a viscosity of 1 cP, the pressure dropped at the slowest rate across the reservoir. It 
reached a pressure of 2x104 Pa at around 85m into the reservoir. As the viscosity is increased, the 
pressure drop was at a faster rate across the reservoir. The fluid injection with a viscosity of 28 cP 
reached a pressure of 2x104 Pa at around 20m into the reservoir. The pressure drop is greater at a 
shorter distance for the higher viscosity fluids as more oil is being displaced. In a porous medium, 
fluid flows in the direction of decreasing pressure, thus pressure near the production well is lower. 
Pressure drops to attain equilibrium as oil gets produced, and a volume of water replaces its place. 
It can be seen that the pressure initially decreases at a fast rate until a certain distance into the 
reservoir where the pressure decrease gets slower. That turning point correlates with the reduced 
oil saturation change, where the reduced oil saturation becomes its highest value as most of it got 
displaced. For instance for the 28cP viscosity the turning point was at around 20m into the reservoir 
























































4.2 Two-Dimensional Homogeneous Simulation (Polymer Flooding Vs. Water Flooding) 
A two-dimensional simulation of a sandstone reservoir at 50°C was modelled with 150 m 
in length, 150 m height and 1 m width. The rock porosity is 20% and its permeability is 100 
mD. The oil viscosity is 2 cP and its density is 900 kg/m3. The power used in the Corey 
correlation of the relative permeability is 2. The simulation operated for 2 years. The pressure 
at the injecting well is 115 bar and the pressure at the production well is 85 bar. For this 
















and 15 cP for polymer injection. The actual dimension target is 1500m length, 1500m height, 
and 10m width which was discretized into 150m x150m x1m Cartesian grid cells. As for time, 
the simulation target run is for 2 years accounting 7 days a week.   
4.2.1 Reduced Oil Saturation Results 
Demonstrated in Figure 11 is the evolution results for reduced oil saturation versus time at 
a specific location in the reservoir that is 30 m into the height and 30 m into the length, cell [30, 
30]. The oil saturation at that location decreases over time as it gets displaced. The more viscous 
fluids took longer time to start displacing the oil as they flow slower, however, they displace more 
oil at the end. By the end of the operation time, the injected fluid with the highest viscosity value 
of 15 cP reached an oil saturation of 0.048, while, the fluid with viscosity of 7 cP reached saturation 
of 0.056 and the water flooding with 1 cP reached a saturation of 0.123. Thus, the higher the 

































































































Figure 12 shows the reduced oil saturation results across the reservoir for each viscosity as 
oil gets displace and its saturation decreases. The more viscous fluid takes longer time to displace 
oil, therefore the higher viscosity plots show less oil displacement at the moment this was captured. 
The 15 cP fluid had a 0.2 oil saturation at 50m into the height and 50m into the length, while the 
fluid with viscosity of 7 cP had a 0.2 oil saturation  around 70m into both height and length. 







4.2.2 Reduced Water Saturation Results 
 Shown in Figure 13 is the evolution of the reduced water saturation versus time at cell 
[30m, 30m] into the reservoir. The reduced water saturation at that location increases over time as 
it is continuously injected. The more viscous fluids take longer time at the start to start increasing 
in saturation, for instance the 7 cP fluid started increasing after 200 days, while the 15 cP started 
increasing after 400 days. Once they begin to increase in saturation, the process gets faster. It can 
be deducted that the more viscous the fluid the higher saturation it will reach eventually. Water 
injection with 1 cP reached a saturation value of 0.87, while, the polymer injection of 15 cP reached 
a saturation of 0.96 and the injected fluid of 7 cP reached a saturation of 0.94. The more viscous 


































































































Figure 14 shows the reduced water saturation results across the reservoir for each viscosity 
as it gets injected into the reservoir. As shown for 15 cP fluid, since it is more viscous the saturation 
remains high about 0.9, 50m into the height and 50m into the length, while the fluid with viscosity 
of 7 cP reached 0.8 saturation around 70m into both height and length. The water injection with 1 







cP flows the fastest when injected as seen by how the water saturation is almost 0.4 around 110m 
into the height and length.  
4.2.3 Pressure Change Results 
 Figure 15 shows the pressure change versus time at cell [30m, 30m] into the reservoir. The 
pressure at the injection well is 115 bar and the pressure at the production well is 85 bar. The 
pressure decreases over time in the reservoir as oil gets produced. The water injection with 1 cP 
reached a pressure ranging between 107 and 103 bar over the simulation time in that location. The 
polymer injection of 15 cP had a pressure range between 92 and 90, while the injected fluid of 7 
cP had a pressure ranging between 96 and 95. This shows how the more viscous fluid had lower 

































































































As shown in Figure 16, pressure changes from 115 to 85 bar along the reservoir. For the 
water injection with 1 cP, the pressure took the longest time to decrease and reached around 95 
bar at the very end of the reservoir at around 150 m. As for the polymer injection with 15 cP, the 
pressure decreased the fastest and reached 85 bar around 50 m into the reservoir. The polymer 
injection with 7 cP also had a fast pressure decrease but was still slower than the 15 cP fluid 
 







4.3.Three-Dimensional Homogeneous Simulation (Polymer Flooding Vs. Water Flooding) 
The following is an adjoint simulation that illustrates water and polymer flooding in a 3D 
homogeneous reservoir, using the ‘adjointWithPolymerExample’ module in the MRST software 
(SINTEF, 2020). The Cartesian grid is 31 by 31 by 3 grid cells to represent a simple box shaped 
reservoir. The production well is located in the center of the reservoir and two injection wells are 
located in the northeast and southwest corners as shown in Figure 18 below. Two cases are 
simulated, one being polymer flooding followed by water flooding and another being pure water 
flooding. The operation duration is 7 years, where polymer gets injected three years into operation 
time for the case of polymer flooding. 
4.3.1 Production Plot For Polymer Flooding vs Water Flooding 
 
 






As shown in Figure 17, the plot shows the accumulated water and oil production for both cases of 
polymer flooding and pure water flooding. The polymer injection gives more oil production and 
less water production compared to pure water flooding; hence polymer flooding enhances oil 
recovery more than water flooding.   
 
4.3.2 Injection Results over Time 
   






Figure 18 shows how the injection wells were located at the corners, with the production well 
located in the center. The Cartesian grid shows the change of oil and water saturation over the 
years of operation. The top picture shows progress at 192 days and the bottom one shows progress 
after 6 years and 254 days. The pie chart shows oil to water ratio in the producer well for both 
cases with and without polymer. Comparing the top and bottom charts, it can be deduced that oil 
ratio has increased for both cases, but more noticeably for the case with polymer injection. This 
indicates more oil was being produced in the polymer flooding case. 
4.4.Black Oil Polymer Simulation (With Vs. Without Shear Effect) 
The model ‘blackoilpolymerTutorial2D’ from the module ‘ad-eor’ in the MRST software 
is used to simulate polymer flow in a 2D heterogeneous reservoir (SINTEF, 2020). In the black oil 
model, phases do not mix. Two phases are being simulated in this simulation, water/polymer and 
oil. According to Bao (2017), in the black oil model the distinction between the two phases depends 
on their characteristics such as their viscosity to determine which fluid will displace the other. In 

























4000m x 200m x 150m 




Permeability 100 mD 
Fluid Characteristics 
Oil 
Viscosity 90 cP 
Density 0.9 kg/L 
Gravity 25 API 
Water 
Viscosity 1 cP 
Density 1000 kg/m3 
Polymer 
Viscosity 15 cP 
Concentration 1000 ppm 
Boundary Conditions 
Injection well 
(located bottom 2 layers) 
Injection rate: 1000 m3/day 
Bottom hole pressure: 450 bars 
Production well 
(located top 2 layers) 
Bottom hole pressure: 260 bars 
Duration 
#1 Water flooding: 1260 days 
#2 Polymer slug injection: 1700 days 
#3 Water flooding resumes: 7990 days  































Polymer flooding in this simulation starts with water injection for 1260 days, followed by polymer 
injection of 1000ppm HPAM for 1700 days then water injection resumes. The simulation accounts 
for 30 years operation. Looking simultaneously at Figures 19 and 20, the change in the water 
injection rate can be seen in accordance to the change in the bottom hole pressure. For the first 
1000 days of pure water injection, it can be seen that the pressure is slowly increasing and the 
water injection rate remains constant at 1000m3/day. As the polymer starts to get injected after 
1260 days, it can be seen that the bottom hole pressure begins to increase faster until it reaches the 






upper limit of 450 bars. The polymer injected was increasing the viscosity of the water injected 
and lowering its mobility, hence decreasing the rate at which it is injected. Higher bottom hole 
pressure could have helped maintain the injection rate, but the upper limit has already been 
reached. After 1700 days of polymer injection, the pure water injection resumes and the injection 
rate increases back to 1000m3/day for the remaining days of operation. From Figure 19, it can be 
seen that shear thinning behavior had better injectivity as it didn’t decrease the injection rate as 
drastically as the one without shear effect, hence more oil was displaced when shear effect is 
considered.  
4.4.2 Production Well Results 
 









It was shown in Figure 19 that the case with shear effect had higher water injection rate, which is 
again shown in Figure 21 as water production rate is higher for the case with shear effect. Once 
polymer was injected around 2000 days of operation water production rate slowed down and even 














Figure 22 illustrates both cases of polymer flooding with and without shear effect have similar 
pattern overall. The case with shear effect had higher oil production rate around 2000 to 3750 days 
than the case without shear effect, then they switch as both cases decrease slowly as the operation 
comes to an end.  
 
4.5.Effect Of Reservoir Characteristics On Sweep Efficiency  
4.5.1 Effect of Reservoir Porosity 
A two-dimensional simulation of a sandstone reservoir at 50°C was modelled with 150 m 
in length, 150 m height and 1 m width. The actual dimension target is 1500m length, 1500m 
height, and 10m width which was discretized into 150m x150m x1m Cartesian grid cells. As 
for time, the simulation target run is for 2 years accounting 7 days a week. The rock 
permeability is 100 mD. The oil viscosity is 2 cP and its density is 900 kg/m3. The power used 
in the Corey correlation of the relative permeability is 2. The pressure at the injecting well is 
115 bar and the pressure at the production well is 85 bar. For this simulation, two porosities of 
the reservoir were compared, 20% and 40% for both a water flooding case with 1cP viscosity 
and 1000 kg/m3 density and a polymer flooding case with 3 cP viscosity that is assumed to 
behave Newtonian. 
4.5.1.1 Reduced Oil Saturation Results 
Figure 23 shows how oil saturation in cell [30,30] decreases over time for each porosity. 
Porosity is defined as the void fraction over total bulk volume, it’s the empty space between the 
rock grains that hold fluid within. Hence the bigger porosity means more fluid can be stored within 






volume, hence a small pore can’t hold too much of that phase. As shown in the plot for the lower 
porosity oil saturation decreases faster since the smaller pores are not as filled as the bigger pores. 
It is similar for both water and polymer flooding, however polymer flooding is slower since a more 


















Figure 24 illustrates how the reduced oil saturation decreases within the reservoir for each porosity. 
The injection well is located at [0, 0] and the production well is at [150,150]. It can be seen similar 
to what Figure 23 has shown that for the lower porosity the oil saturation was decreasing faster. 
For each porosity the oil saturation is relevant to that pore volume, the smaller pores may not be 






as filled as the larger pores, which is shown by how the smaller the pores the faster it gets emptied 
of oil. The larger pores take longer time to drain out what’s inside. 
















Figure 25 demonstrates the reduced water saturation change in one location over time and Figure 
26 shows the reduced water saturation change over the distance within the reservoir. Both 
agreeably show how the lower porosity had faster water saturation increase as the void space is 
smaller and quickly fills up with the water being injected. Polymer flooding demonstrates a similar 
increase on a slower pace for being more viscous hence flows sluggishly as compared to just water 
flow.  























Pressure change represents oil being displaced. The pressure applied at the injection well was 
115 bars with the aim to reach 85 bars when it reaches the production well. Figure 27 shows how 
for each porosity the pressure at cell [30, 30] was getting affected by the injected pressure to 
slowly become 115 bars. At cell [30,30] the initial pressure from day 0 represents the pressure of 
the reservoir before any injection occurs, over the days as water or polymer gets injected with a 
high pressure, the pressure in cell [30,30] begins to match the pressure of the injected fluid as it 






passes that position. It can be seen that the smaller pores has faster pressure change since it is a 
smaller space and easily gets affected by the passing fluid. For the case of polymer flooding, 
similar behavior is seen however it changes much slower than the water flooding case and does 
not change as much in pressure. Figure 28 shows the pressure change over the reservoir starting 
at 115 at point [0, 0] and slowly spreading into the reservoir. It shows very similar results for all 
porosities with a vague hint of how the lower porosity pressure is changing faster.   
 
4.5.2 Effect of Reservoir Permeability 
A two-dimensional simulation of a sandstone reservoir at 50°C was modelled with 150 m 
in length, 150 m height and 1 m width. The actual dimension target is 1500m length, 1500m 
height, and 10m width which was discretized into 150m x150m x1m Cartesian grid cells. As 
for time, the simulation target run is for 2 years accounting 7 days a week.  The rock porosity 
is 30%. The oil viscosity is 2 cP and its density is 900 kg/m3. The power used in the Corey 
correlation of the relative permeability is 2. The pressure at the injecting well is 115 bar and 
the pressure at the production well is 85 bar. For this simulation, three reservoir permeability 
values were compared, 0.1 Darcy, 0.3 Darcy and 1 Darcy for both a water flooding case with 
1cP viscosity and 1000 kg/m3 density and a polymer flooding case with 3 cP viscosity that is 
































Permeability measures the ability of the reservoir to transmit fluids through it. High permeability 
means the pore spaces are well connected thus the flow of fluids is easier and faster. Figures 29 
and 30 demonstrate how with the higher permeability oil saturation decreases faster within the 
reservoir as its getting displaced. Figure 29 shows how reduced oil saturation is decreased to almost 






half its amount around 200 days of operation for the 0.1 Darcy permeability, while the 1 Darcy 
permeability oil saturation decreased to almost half before even 50 days. Polymer flooding shows 
the same results but was slower as it takes longer for the viscous polymer solution to displace oil. 
The overall change in oil saturation over the reservoir for each permeability is clearly shown in 
Figure 30, the lower the permeability the slower the oil saturation change.  
4.5.2.2 Reduced Water Saturation Results 
 
 










Figure 31 and 32 illustrate how the reduced water saturation increases faster for a higher 
permeability value as the flow is easier. As shown in Figure 31, after 200 days, 0.1 Darcy reached 
a reduced water saturation of 0.6, while 1 Darcy reached a water saturation of 0.9. The viscous 
polymer solution also increases the water saturation at a highly permeability value.  
 
























As shown in Figures 33 and 34, more pressure change is seen for the more permeable 
reservoir, indicating more oil displacement is occurring. 1 Darcy reaches around 107 bars, while 
0.1 Darcy reaches around 106 bars after 650 days, both starting from 103 bars, hence the highly 
permeable one had higher pressure change. The polymer flooding case shows a more sluggish 
representation of the same results with water flooding, however due to its higher viscosity it 






takes longer to show any change. The low permeable case requires higher pressure gradient to 







5. CONCLUSION  
The purpose of this thesis was to demonstrate the effectiveness of polymer flooding 
compared to pure waterflooding by modelling their behavior in the reservoirs simulated. Different 
cases have been simulated to investigate the results from different perspectives.  
The first case was a one-dimensional homogeneous reservoir, where the polymer solution 
was assumed to be Newtonian fluid and was represented by higher viscosity fluids than water. 
Results have shown that for the polymer solution, oil saturation increased the fastest at the 
production well as more oil was being recovered compared to waterflooding. The reduced oil 
saturation for the polymer flooding reached a total saturation of 1 at 20m into the reservoir, while 
for the waterflooding the reduced oil saturation reached 0.5 at 40m into the reservoir. For the 
polymer flooding, the water saturation decreased the fastest at the production well as more water 
was getting used up to displace the more oil, and pressure decreased the fastest indicating more oil 
was getting displaced. 
The second case was a two-dimensional homogeneous reservoir, where the polymer was 
still assumed Newtonian. The results from this simulation showed saturation and pressure change 
at a specific location over the 7 years of operation, as well as their change over the distance within 
the reservoir. Polymer flooding is more viscous and took longer time than water flooding to get 
injected and displace oil, however, eventually it achieved the highest saturation and pressure 
decrease values, indicating more oil was displaced at the end. By the end of the two years 
operation, the reduced oil saturation in the waterflooding case reached 0.123 and for the polymer 






The third case was a three-dimensional homogeneous reservoir, where a non-Newtonian 
polymer flooding was compared to pure water flooding. Results have shown that more oil was 
produced and less water was produced for the polymer flooding, hence oil recovery was enhanced. 
The black oil case demonstrated how accounting for shear effect can lead to more accurate results 
for the polymer flooding as shown through the oil and water production plots. 
Two reservoir characteristics were investigated to explore their effect on sweep efficiency. 
Different porosity values were compared (0.2 and 0.4) in a two-dimensional reservoir, for both 
water flooding and a Newtonian polymer flooding of 3cP viscosity. Results have shown that the 
higher porosity took longer time to be drained out as the big pores could store more fluid within, 
thus the reduced oil, water saturation and pressure changes were slow for the higher porosity. Both 
waterflooding and polymer flooding showed the same behavior, however, for being more viscous 
the polymer flooding was at a slower pace. The other reservoir characteristic that was investigated 
in the same two-dimensional reservoir was the reservoir permeability (0.1 Darcy, 0.3 Darcy and 1 
Darcy). Results have shown that since the higher permeability means better connectivity between 
pore spaces, more flow was occurring. Reduced water and oil saturation as well as pressure 
changes were faster for the higher permeability.  
5.1 Recommendations for future work 
- Investigate more reservoir characteristics such as temperature or salinity  
- Explore the effect of boundary conditions 
- Use another software to model polymer flooding vs. water flooding, such as ECLIPSE or 
CMG STARS 
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